Understanding reservoir rock characteristics and the forces that mobilize oil in unconventional reservoirs are critical in designing oil recovery schemes. Thus, we conducted laboratory experiments in three preserved Middle Bakken cores using centrifuge and nuclear magnetic resonance (NMR) instrument to understand oil recovery mechanisms in the Bakken. Specifically, we measured capillary pressure, pore size distribution, and oil and brine distributions.
Introduction
Bakken Formation is an unconventional hydrocarbon resource, located in the Williston Basin. The formation extends in North Dakota, South Dakota, Montana, and Canada. Bakken Formation is one of tight unconventional liquid-rich hydrocarbon resources in the United States that plays a major role in domestic oil production. Bakken Formation consists of three members: Upper Bakken Shale member (source); Middle Bakken member (reservoir); and Lower Bakken Shale member (source) (Sonnenberg 2014) . The Middle Bakken mineralogy ranges from a silty dolomitic sandstone to silty dolostone with low porosity (<10% porosity) and low permeability (<0.01 mD).
Oil production from unconventional resources in the United States has increased dramatically because of extensive drilling and completion activities in unconventional shale plays in the past few years. To improve oil production from tight reservoirs (apart from drilling new infill wells), improved/enhanced oil recovery (EOR/IOR) schemes should be designed and implemented. To design effective IOR/EOR schemes, we must first determine reservoir rock properties, rock-fluid interactions, reservoir fluid properties, and oil recovery mechanisms (Sonnenberg et al. 2011; Morrow 1990; Teklu et al. 2014; Karimi and Kazemi 2015; Karimi et al. 2016; Li et al. 2015; Khademian et al. 2012; Revil et al. 2013; Khademian et al. 2016) .
One of the critical data that represents rock-fluid interactions is capillary pressure. Capillary pressure data is used in reservoir flow simulations to predict reservoir performance (Fernφ et al. 2007) , to determine wettability and pore throat size (Anderson 1986; Donaldson et al. 1969; Mishra and Sharma 1988) , and to evaluate gas and fluid displacement efficiency in IOR studies (Karimi and Kazemi 2015) . Common methods for measuring capillary pressure are: centrifuge, porous diaphragm, vapor desorption, mercury intrusion (drainage data), and dynamic capillary pressure (Hassler and Brunner 1945; Newsham et al. 2003; Green et al. 2007; Amyx 1960; Shafer and Neasham 2001) .
In unconventional reservoir studies, the fastest method (relative to other methods) to generate a complete set of capillary pressure using reservoir fluids is centrifuge method (Karimi and Kazemi 2015) . However, centrifuge experiment in tight rocks is time consuming, and a set of centrifuge drainage and imbibition measurements takes several months. Depending on the centrifuge rotor type, only a limited number of core samples (3 cores in our case) can be tested simultaneously. Therefore, centrifuge technique is time consuming and expensive while it is relatively the fastest measurement technique with more reliable results. From centrifuge experiments, relative permeability end-points (Hagoort 1980) and oil recovery are determined as well.
Another important property of reservoir rocks is pore size distribution. Pore size and pore throat size distribution as well as tortuosity dictate pore accessibility, and required forces to overcome capillary pressure in smaller pores. Common methods to determine pore size distribution are mercury intrusion capillary pressure (MICP), Nitrogen Gas Adsorption-Barret, Joyner and Halenda (BJH) technique, and NMR (Schmitt et al. 2013; Farhadi Nia et al. 2016; Hinai et al. 2014) . With MICP measurements, one can determine pore size distribution in the range of meso-and macropores, while Nitrogen Gas Adsorption provides pore size distribution in the range of micro-and mesopores. In NMR and Nitrogen Gas Adsorption techniques, pore body size is measured while in MICP and centrifuge techniques, pore throat size is measured (Shafer and Neasham 2001) . In this study pore size distribution of one rock sample was measured using MICP and Nitrogen Gas Adsorption methods.
Tendency of one fluid to adhere to the rock surface in presence of other immiscible fluids is called wettability. Wettability affects capillary force direction and magnitude, as well as end-point saturations. Wettability also affects relative permeability curves and oil recovery. Common methods to determine wettability in reservoir rocks are: Contact angle measurement, USBM wettability index measurement using centrifugal force, immersing cores in brine and crude oil, measuring the hydrogen relaxation time in NMR apparatus (Looyestijn and Hofman 2006; Cao Minh et al. 2015; Donaldson et al. 1969; Morrow 1990) , and capillary pressure and relative permeability measurement by core flooding (Anderson 1986; Venkataramnan et al. 2014; Kenyon 1997) . In recent years, MICRO-CT, FESEM, and QEMSCAN have been used to determine wettability of reservoir rocks as well (Idowu et al. 2015) . In this study, we used NMR T 2 as well as centrifuge capillary pressure to determine wettability of the rock samples.
In addition, fluid-fluid interactions are critical in reservoir studies specifically in Bakken Formation with hyper salinity brine. Salinity gradient leads to osmosis and transfer of molecules. Chemical osmosis is a process that involves solvent molecule transfer when there is difference in concentration of solute. It is important to note that when viscous and capillary forces are not effective, diffusion is the main mass transfer mechanism (Stoll et al. 2008) .
Several scientists defined a semipermeable membrane which allows selective transfer of water molecules from lower salinity brine to higher salinity brine (Schlemmer et al. 2003; Keijzer et al. 1999) . However, based on a series of experiments, Sandegen et al. (2016) and Fredriksen et al. (2016) considered oil as a semipermeable membrane when low salinity brine was injected to/surrounded a porous media that was saturated with oil and higher salinity brine. Difference in chemical potential of lower and higher salinity brines is the driving force for water molecules to move through oil. We believe osmosis mechanism happens in Bakken formation (in contact with low salinity brine) which is a mixture of carbonate and sandstone minerals. Osmosis only involves fluid-fluid interactions, and can happen in absence of a semipermeable rock structure.
Three core plugs from different depths of a well in the Middle Bakken Formation were used in this study. We show centrifuge capillary pressure, and pore size distribution from MICP and Nitrogen Gas Adsorption experiments. SEM and backscattered electron (BSE) images on core slabs were acquired that show pore shape and size and mineralogy of pore walls in a Bakken core. Moreover, from NMR T 2 distribution and one dimensional profile measurements, fluid saturation, and fluid distribution in pores were determined. Based on the observations made in this study, chemical potential difference of pore and surrounding brines is an important driving force in oil recovery.
Experiments
A series of laboratory measurements using Amott cell, high-speed centrifuge, scanning electron microscope (SEM), ASAP 2460 Surface Area and Porosity Analyzer, and 2-MHz nuclear magnetic resonance (NMR) was conducted in three preserved Middle Bakken core plugs.
Amott Cell
Spontaneous imbibition oil production was measured using Amott cell. To determine the volume of produced oil, we estimated fluid saturation changes from NMR T 2 distributions.
Centrifuge
Using an ACES-200™ automated centrifuge, we measured imbibition and drainage capillary pressure, and oil recovery from the cores. We conducted three sets of fluid replacement experiments in the cores: forced imbibition (brine replacing oil), secondary drainage (oil replacing brine), and secondary drainage (air replacing oil in presence of brine). Two different centrifuge set up (drainage and imbibition) were used to conduct the measurements. Centrifuge experiments are explained in details in our previous paper (Karimi and Kazemi 2015) . Equation (A-1) to (A-3) are used to calculate capillary pressure. Table A-1 shows a summary of rotational speeds and corresponding average capillary pressure for the three cores.
Nuclear Magnetic Resonance (NMR)
A 2-MHz Magritek Rock Core Analyzer™ was used to conduct NMR transverse (T 2 ) relaxation time and one dimensional profile measurements on preserved Middle Bakken cores. NMR measurements were conducted on fluid samples as well. In NMR T 2 measurements, we used Carr, Purcell, Meiboom and Gill (CPMG) (Carr and Purcell 1954; Meiboom and Gill 1958) pulse sequence. T 2 distributions were measured using 100 μs echo spacing (TE), 2000-15000 ms polarization time (depending on the fluid relaxation rate), 2000-40000 number of echoes (depending on the fluid relaxation rate) and minimum 100 signal to noise ratio (SNR). We repeated NMR T 2 and profile measurements after Amott cell and each centrifuge experiment at laboratory pressure and temperature conditions (about 14 Psi and 66 ° F). To invert CPMG raw data and generate T 2 distributions, inverse Laplace non-negative least square fitting (Lawson and Hanson 1974; Buttler et al. 1981 ) was used. The smoothing parameter was calculated using the methodology described by Dunn et al. (1994) .
Scanning Electron Microscope (SEM)
A TESCAN MIRA3 LMH Schottky field emission-scanning electron microscope was used for FE-SEM imaging, and a TESCAN motorized retractable annular, single-crystal YAG backscatter electron detector was used for backscatter electron (BSE) imaging. The images were used to determine pore shapes and mineralogy of pore walls.
ASAP 2460 Surface Area and Porosity Analyzer
To measure surface area, porosity, nitrogen adsorption isotherm and pore size distribution, a Micromeritics ASAP 2460 instrument was used.
Oil, Brine, and Rock Samples
We used filtered dead Bakken oil in the experiments. The oil sample has viscosity of 2.46 cP and density of 0.824 gr/cc at laboratory pressure and temperature conditions. Table 1 shows composition of a Bakken oil sample (from same field) at reservoir conditions. The dead oil used in this study has already lost most of its lighter components. The asphaltene content of Bakken oil is low. Measured asphaltene content of Bakken oil samples from two fields were 0.12 and 0.2 %. Unfortunately, we did not measure asphaltene content of the oil used in this study.
Synthetic brine (50,000 ppm KCl in de-ionized water) was used in the experiments. The reason we did not use produced brine is because of salt precipitation issues at laboratory conditions. Bakken formation brine has hyper salinity (300,000 ppm to 400,000 ppm).
Three preserved Middle Bakken core plugs were used in this study. Table 2 shows mineralogy of three other cores (twin cores: Core P1*, P2*, and P3*) from same depth as the core plugs used in this study. Table 3 shows porosity and permeability measured on Core P1*, P2*, and P3*. Table 4 shows dimensions, bulk volume, and pore volume (based on NMR porosity) of the preserved cores. Table 5 shows porosity, grain density, and surface area measured in Core P2 (after cleaning the core) from MICP and Nitrogen Gas Adsorption experiments. 
Experiment Procedure
The cores were wrapped and stored in a freezer to prevent fluid loss after we received them at Mines. First, we let the cores (Core P1, P2, and P3) thaw out at laboratory temperature and pressure conditions. Then, NMR native state measurements were conducted. The cores were jacketed to have longitudinal fluid flow along them in centrifuge experiments. Next, the cores were resaturated with Bakken oil. Initially, the cores were saturated with formation brine, formation oil, and evaporated gas. In the re-saturation process, a vacuum chamber was used for one hour to remove much of the free gas in pores, and then we allowed oil to cores. Next, the vacuum pump was turned off, and the cores were kept submerged under 2 inches of oil column for another four hours in a closed system. In addition, we put the cores in a pressure vessel, and surrounded them with Bakken oil under 3,000 psi pressure for six hours to completely saturate them. The reason for re-saturation with Bakken oil was to bring the cores saturation condition close to initial reservoir saturation.
After re-saturation, spontaneous imbibition was conducted using Amott cell. The cores were submerged in synthetic brine for two weeks. Then, forced imbibition (brine replacing oil) with the same synthetic brine was conducted using a high-speed centrifuge. The centrifuge forced imbibition experiment was conducted with six different rotational speeds (rpm)-each rpm 70 to 80+ hours. Moreover, we conducted two sets of centrifuge secondary drainage (oil replacing brine and air replacing oil in presence of brine) with six speeds similar to forced imbibition.
NMR T 2 and fluid saturation profile measurements were conducted after Amott cell experiment, and each stage of centrifuge experiments to determine fluid distributions, and fluid saturations. Figure 1 shows an experiment flowchart for this study. To avoid fluid loss while transferring cores between two stages of experiments as well as during NMR experiments, the cores were carefully wrapped in plastic wrap. After all experiments were completed, Core P2 was cut to smaller pieces, and cleaned with toluene and methanol in a soxhlet extractor (one month for each solvent). MICP and Nitrogen Gas Adsorption tests were conducted in the core pieces by a laboratory.
Four core slabs from top, middle, and bottom of Core P3 were cut after the experiments were completed (with no cleaning). Next, one surface of each core slab was polished using a JEOL IB-0910CP CrossSection Polisher for ten hours. Furthermore, the polished surface was gold coated, and FE-SEM imaging was conducted.
Core Inflow-Face Saturation Correction
Capillary pressure curve is a plot of capillary pressure at inflow-face of cores for each rpm (Equation A-1) versus corresponding inflow-face water or wetting phase saturation of cores. In centrifuge experiment, displaced fluid volume is measured. Average fluid saturation of the cores is calculated from produced fluid volume for each rpm. Next, using one of the mathematical models (Hassler and Brunner (1945); van Domselaar (1964); Forbes (1994) ; Rajan (1986) ) inflow-face saturation is calculated from capillary pressure and corresponding average saturation data. Hassler and Brunner (1945), van Domselaar (1964) , and Forbes (1994) methods for inflow-face saturation calculations are shown in Appendix.
Results

Spontaneous Imbibition Oil Production
As mentioned in experiment procedure (section 4), we resaturated the native state cores with oil. Next, the cores were immersed in synthetic brine in Amott cell for two weeks. Figure 2 shows images of the cores producing oil in Amott cell. Table 6 shows spontaneous imbibition produced oil volumes from each core (estimated from NMR measurement). Oil recovery factor (ratio of produced oil to oil in place) in spontaneous imbibition experiments were 18.86%, 9.23 %, and 11.66% for Core P1, P2 and P3 respectively. Oil production as percentage pore volume for Core P1, P2 and P3 were 10.72 %, 5.01 % and 6.33 %. The oil production from cores is high considering the fact that cores were jacketed. The more surface area exposed to brine, the more oil production is expected. Figure 3 shows centrifuge capillary pressures (imbibition and drainage) versus average liquid saturation determined in Core P2, and P3. Unfortunately, in secondary (liquid-liquid) drainage, we were not able to record the incremental production at several rpm due to software oil-brine interface detection issues. However, we were able to record the final production volume from the cores. Table 7 shows oil production (oil recovery factor and percent pore volume) in forced imbibition and secondary air-liquid drainage experiments. 
Centrifuge Capillary Pressure
SPE-185095-MS
NMR T 2 Distributions
Six NMR measurement sets were conducted as it is shown in the experiment flowchart (Figure 1 ). Figure  5 shows the NMR T 2 distributions of bulk fluids (Formation brine, Bakken oil, and Synthetic brine). The following is a list of NMR measurements on the cores, parameters determined, and observations we made from Figure 6 and comparison of NMR T 2 distributions in Figure 7 : All three cores show bi-modal distribution at native state. The amplitude of the relaxation time plot is lower for Core P1 compared to Core P2 and P3. 2. The hydrocarbon-resaturated core (HRSC) shown in Figure 6 (B): to determine initial fluid saturations, and how much oil was added in re-saturation process.
In the NMR T 2 distributions of HRS Core P2 and P3, the peak at 0.7 ms did not change, but the peak at 11 ms shifted to ~ 30 ms (Figure 7 (A) ). Amplitude of the mode at longer relaxation time increased. The HRS Core P2 shows narrower short relaxing mode. However, Core P3 shows slightly wider short relaxing mode. 3. The spontaneous imbibition core (SIC) shown in Figure 6 (C): to determine produced oil volume.
The peak at 0.7 ms (brine mode) shifted to 1.3-1.5 ms, and amplitude of the mode increased. Peak of the longer relaxation mode also shifted from 30 ms to ~ 45 ms, and amplitude slightly decreased (Figure 7 (B) ). The amplitude of modes with shorter relaxation time increased while the modes became narrower after forced imbibition experiment. The shorter relaxation modes shifted to right slightly as well (Figure 7 (C) ). On the other hand, the long relaxation mode changed to a narrower mode. Two peaks observed after forced imbibition where one peak was observed before. After replacing oil with air in centrifuge secondary drainage experiment, the amplitude of both modes decreased and shifted to the left for Core P2. But, only the amplitude of the mode at longer relaxation times decreased and shifted to the left for Core P3.
Moreover, we used NMR measurements to determine where fluids (oil and brine) reside in pores in all stages of the experiments. Table 8 shows NMR estimated saturations of cores at various stages of saturation/de-saturation experiments. We calculated water and oil saturations by applying a threshold time to T 2 distributions to differentiate brine and oil responses. The assumption in saturation estimation was the mode with shorter relaxation time represents brine, and the other mode represents oil (please read the discussion section for more details). NMR porosity measured on preserved cores are similar to the porosity measured on twin cores. NMR porosity of the cores are similar in all stages of experiments except in after spontaneous imbibition stage.
NMR Fluid Saturation Estimation
NMR One-Dimensional Profile
NMR one-dimensional fluid saturation profile measurements were conducted on the cores at various stages of the experiments (Figure 8 ). Table 9 shows core saturation-change determined from NMR and centrifuge measurements. Saturation change is the ratio of produced fluid to the pore volume. Centrifuge and NMR saturations are similar for forced imbibition. However, saturations determined from the two methods are different in both secondary drainage experiments. Figure 9 shows the SEM images of core slabs (Core P3). These images show pore geometry, mineral distribution, and grain shape and geometry. The larger pores are partially filled with clay and mineral, and some pores show complex structure that affect the permeability and tortuosity of the rock. Figure 10 shows BSE images of polished surfaces on the same core slabs (Core P3). In all images, quartz, feldspar, calcite, dolomite, and illite minerals are observed. In a more focused image (Figure 10-C2 ), clays and silt sized quartz and carbonates are present. The rock is detrital silt and clay. Figure 10 -B shows dolomite with dark color in the center and lighter color mineral around edges. It shows dolomite grains (dark color), and the dolomite which formed through diagenesis (lighter color). Thus, part of the minerals in the pores are formed after deposition. 
Oil Production and Fluid Saturation from NMR and Centrifuge
Scanning Electron Microscope (SEM) Imaging
Pore Size Distribution (PSD)
After centrifuge experiments were completed, Core P2 was cleaned using soxhlet extractor. The core was cleaned with toluene (for one month), followed by methanol (for two weeks). Next, the core was dried in oven at 220 F for 24 hours, and was sent to a laboratory. MICP and Nitrogen Gas Adsorption experiments were conducted in the core pieces to determine pore size distribution. Figure 11 shows PSD of Core P2. Table 9 shows saturation changes determined from NMR and centrifuge experiments. Figure 7 (D) shows FIC versus SDLLC NMR T 2 distributions. One can see when oil replaced brine in Core P2, the mode at shorter relaxation time of SDLLC became shorter and wider compared to FIC. On the other hand, two modes at longer relaxation time became one mode in SDLLC. The reason NMR saturation is lower than centrifuge could be due to presence of brine in larger pores which is reflected in NMR T 2 distribution as two modes at longer relaxation times (FIC curve). We speculate some of the produced brine in SDLL came from brine in larger pores. Thus, NMR saturation change which is calculated from brine saturation change in cores didn't reflect total produced brine. We consider centrifuge saturations more accurate in this case. In Core P3, both NMR and centrifuge saturations are small for SDLL. We physically measure the volume of produced fluid using centrifuge, thus we rely on centrifuge saturation in this case as well.
Discussion
Saturation Estimation
In secondary (gas-liquid) drainage experiment, centrifuge software encountered some problems. But, we were able to capture the end point for 13,000 rpm which represents total production. In T 2 distribution of Core P2, brine and oil modes partially overlap. The overlap increases uncertainty in saturation estimation from NMR. On the other hand, NMR saturation change is estimated based on the porosity occupied with fluids in SDLL and SDGL. Considering the fact that slightly different porosities were measured in different experiment stages, we would expect a different NMR estimated saturation compared to more accurate centrifuge saturation.
Capillary Pressure and Pore Size Distribution
Capillary pressure experiments started with submerging cores (saturated with high salinity formation brine and oil) in synthetic low salinity brine in spontaneous imbibition experiment. We think that salinity contrast between saturating and surrounding brines caused water molecules to move from low salinity surrounding brine (higher chemical potential) to high salinity pore brine (lower chemical potential). Water molecules were added to connate water and water film on pore walls, therefore connate water expanded and its pressure increased. Consequently, oil was pushed out. After water molecules diluted pore brine, salinity difference between pore and surrounding brines reduced, and oil production stopped. The oil recovery factor of Core P1, P2, and P3 in spontaneous imbibition experiment were 18.86 %, 9.23 %, and 11.66 %.
Next, a centrifuge was used to produce more oil from smaller pores with high entry capillary pressures. Oil recovery factor for Core P2, and P3 in forced imbibition experiment was 12.73 %, and 9.58 % respectively. Production from Core P1 in centrifuge was difficult to measure because of the core small pore volume.
Comparing recovery factor in spontaneous and forced imbibition experiments shows significance and importance of chemical osmosis in oil production from tight Bakken cores.
In secondary drainage liquid-liquid experiment, 11.76 % and 1.37 % (of pore volume) brine was replaced with oil in Core P2 and P3. In (gas-liq) drainage experiment, 24.3 % and 3.81 % (pore volume) oil was replaced with air in Core P2 and P3. In secondary (gas-liq) drainage experiment, oil volume produced from Core P2 and P3 was more than the oil volume added to the cores in (liq-liq) drainage experiment. At the end of forced imbibition, the cores are considered at residual oil saturation. However, the experiments show that more oil can be produced from cores using air after forced imbibition experiment.
On the other hand, when we compare capillary pressure in Core P2 and P3, both cores show similar imbibition capillary pressure. However, the cores show different secondary drainage curves. After replacing brine with oil in (liq-liq) drainage experiment, Core P2 reached its initial saturation (after re-saturation stage). However, Core P3 showed high hysteresis, and very small amount of brine was replaced with oil. Consequently, less oil was produced in the (gas-liq) drainage experiment from Core P3.
Based on NMR analysis, which we discuss in details in next section, we think brine resides in small pores and on part of pore walls while oil resides in larger pores. Therefore, the rocks have mixed wettability. Chemical potential and mixed wettability of pores helped oil production. More studies must be performed to quantify production caused by chemical potential difference and wettability separately. Figure 12 shows a schematic of pores and oil production caused by chemical potential difference in a mixed wettability porous media. Another important observation made was high oil recovery factor up to 44.81 % (in Core P2) when air was used to produce oil. However, oil recovery from Core P3 was less than Core P2 despite similar rock properties and similar imbibition experiments. High oil recovery in centrifuge secondary (gas-liq) drainage is consistence with the results of similar experiment conducted in a much tighter cleaned Middle Bakken core (Karimi and Kazemi 2015) .
Studying the SEM and BSE images provides an appreciation for the complexity of pore mineralogy and geometry. The larger pores were characterized using MICP and the smaller pores were characterized using Nitrogen Adsorption. Figure 4 shows capillary pressure curves for Core P2 and P3. Saturation at inflow-face was calculated using Hassler and Brunner as well as van Domselaar methods. In imbibition, brine saturation at inflow-face is higher than average brine saturation of the cores. In drainage, wetting phase saturation at inflow-face is lower than average wetting phase saturation of the cores.
Hydrogen Index Corrections to NMR Measurements
At surface temperature and pressure, the hydrogen index (HI w ) of distilled water is defined as one. At reservoir conditions, the hydrogen index of formation brine is dependent on the quantity of salt held in solution. Considerable reductions in brine hydrogen index can be expected when large quantity of salt is dissolved in formation brine. Kleinberg and Vinegar (1996) showed hydrogen index of water as a function of total concentration of sodium chloride in brine. They showed that hydrogen index reduced from 1 to less than 0.90 when salinity increased from 0 to 250,000 ppm. Simpson et al. (2015) reported that the Bakken Petroleum System had formation water salinities ranging from 300,000 ppm to 400,000 ppm sodium chloride, which is in excess of the values plotted by Kleinberg and Vinegar (1996) . We have updated the Kleinberg and Vinegar plot (Figure 13 ) to show hydrogen index as a function of salinity up to 450,000 ppm sodium chloride. In Figure 13 we show that hydrogen index reduced from 1 to 0.75 when salinity increased from 0 to 450,000 ppm. Additionally, we have generated a plot of density of water as a function of salinity from 0 ppm (distilled water) to 450,000 ppm ( Figure 14) . When salinity increases, density of the water increases. Consequentially, as the density of water increases as a function of dissolved salt in the water, volume of the water increases proportionally. Because the NMR is only measuring hydrogen protons, the sodium chloride in the water is not measured. Therefore, volume of water measured by the NMR is essentially, distilled water volume. Thus, additional volume that is occupied by the dissolved salt in the water is not measured. The measured NMR porosity on the native state cores, which were saturated with high salinity formation brine, oil, and gas is underestimated based on our analysis. The real volume of brine in the native state cores was higher than what was measured using NMR. 
NMR T 2 Distributions
The NMR T 2 distributions for two successive core experiments, the native state core (NSC) versus the hydrocarbon-resaturated core (HRSC) are plotted in Figure 7 (A) for the NSC and RSC experiments. The hydrocarbon-resaturated core (HRSC) versus the spontaneous imbibition core (SIC) distribution is plotted in Figure 7 (B). The spontaneous imbibition core (SIC) versus the forced ambition core (FIC) is plotted in Figure 7 (C). The forced ambition core (FIC) versus the secondary drainage liquid-liquid core (SDLLC) is plotted in Figure 7 (D). The secondary drainage liquid-liquid core (SDLLC) versus the secondary drainage gas-liquid core (SDGLC) is plotted in Figure 7 (E).
NSCversusHRSC (Figure 7 (A)): Amplitude of the NMR relaxation plots increased after hydrocarbon re-saturation because fluid was added to the cores. Based on the observations, when cores were resaturated with hydrocarbon, the longer relation mode shifted to right and its amplitude increased. Thus, the shorter relaxation mode represents brine, and longer relaxation mode represents oil. We think fluid re-distribution in pores caused by re-saturation process is the reason for narrower and wider short relaxing mode in Core P2 and P3 after re-saturation.
HRSC versusSIC and SIC versus FIC (Figure 7 (B) and (C)): Amplitude of brine peaks increased and amplitude of oil peaks decreased because in imbibition, oil was replaced with brine. Therefore, water saturation increased and oil saturation decreased in the cores. On the other hand, the oil mode changed to a narrower mode, because oil saturation decreased in pores. Two peaks were observed after forced imbibition where one oil peak was observed before. The shorter relaxing peak of the two oil peaks could possibly be caused by presence of brine in larger pores right after centrifuge experiment. We conducted NMR after centrifuge experiment without delay, thus fluid re-distribution didn't occur at the time.
Examining Figure 7 (B) and Figure 7 (C), one should observe a slight shift in the brine versus oil peaks. The brine shift to the right indicates that brine occupies slightly more pores, which also can be interpreted as wettability shift. However, the reason for this shift is chemical osmosis.
We speculate that water molecules go from low salinity brine to high salinity pore brine (in small pores and on pore walls). Therefore water saturation is increasing. As Cao Minh et al (2015) show in their paper, increase in water saturation shifts the water mode to longer relaxation times. The reason is that volume of water in pores has direct correlation with T 2 time, and when saturation increases relaxation time increases. On the other hand, the oil mode shifted to longer relaxation time. We think that in areas where there is a water film between oil and grains, the water film grows and eliminates the surface relaxivity between oil-grains.
FIC versusSDLLC (Figure 7 (D)): After replacing brine with oil, the amplitude of brine mode decreased, and the mode slightly shifted to the left while it became wider. The shift and decrease in amplitude is due to less brine volume in pores. The amplitude of oil mode slightly increased, and two modes changed to one mode. Because oil saturation increased in pores.
SDLLC versusSDGLC (Figure 7 (E)): In Core P3, brine mode became slightly narrower, and at very short relaxation time the mode is changed slightly. It shows clay bound water at 0.1 ms. Oil was produced from Core P3, thus oil mode shifted to left, and the amplitude decreased. Large oil volume was produced from Core P2, therefore the oil mode is almost disappeared. We speculate that the small mode around 70 ms is the oil trace (residual oil) in large pores. The residual oil is now in contact with pore walls which causes short relaxation time for oil, and the new modes could be a mixture oil and brine in smaller pores. Figure 15 and 16 show comparison of the NMR T 2 distributions of the NSC, the HRSC, the SDLLC, and the SDGLC experiments. Based on centrifuge saturations, Core P2 has similar saturations at HRSC and SDLLC stages. Based on NMR, water saturation is higher after drainage experiment. Brine and oil modes for the two stages overlap (Figure 13 ), however both peaks show a shift to longer relaxations after the core went through imbibition. The same shift is observed in brine and oil modes in Core P3 relaxation plot. In Core P3, both centrifuge and NMR (regardless of their difference) show higher water saturation after drainage compared to hydrocarbon-resaturated. Figure 10 shows NMR fluid saturation profile for Core P1, P2, and P3. The NSC (red plot) shows fairly low amplitude because of small volume of fluid saturating the cores. Core P1, with much lower porosity than other two cores, shows lower amplitude. In the HRSC (green plot), amplitude increased smoothly along the cores. In the SIC (brown plot), amplitude increased more. The profiles are no longer smooth. The jacket around the cores leaved top and bottom of cores in contact with brine, thus oil-brine exchange happened locally. In the FIC (black plot), Core P2 and P3 show a lower amplitude at inflow face of the cores, because saturation of water with shorter relaxivity has increased at inflow face of the cores. In the SDLLC (violet plot), the profile for both Core P2 and P3 are fairly smooth. However, we observed slightly higher amplitude at inflow-face of Core P3 because of higher oil saturation. The reason for more smooth profile is that there was a delay between measurements, and fluid re-distribution occurred during the wait time. In the SDGL (blue plot), we produced more oil from Core P2 compared to Core P3. Therefore, less fluid in Core P2 caused lower amplitude. The saturation profile of Core P3 shows lower amplitude at inflow-face of the core (because of lower fluid saturation), and it increases along the core.
NMR Fluid one-Dimensional Profile
N : Number of rotations per minute (rpm) P c,in : Capillary pressure at inflow-face of cores, Psi (P c,in ) : Core average saturation corresponding to capillary pressure at inflow-face, fraction or percent S in (P c,in ) : Inflow-face saturation of a core, fraction or percent S in, HB : Hassler and Brunner saturation at inflow-face of the cores, fraction or percent S in, D : van Domselaar saturation at inflow-face of the cores, fraction or percent r 1 : Distance between center of rotation and the inflow-face of a core in centrifuge, cm r 2 : Distance between center of rotation and the outer face of a core in centrifuge, cm
The equation for parameter B is as following:
(A-13) (A-14)
Table A-1 shows rotational speeds and average capillary pressure of the three cores at core inflow-face in centrifuge experiments. 
